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INTRODUCTION
Appraisals of undiscovered conventional oil and gas resources rarely are accompanied by estimates of the expected costs of finding and producing the resources. In this study, a model is developed that computes quantities of undiscovered oil and gas resources (that are potentially recoverable) as a function of price and rate of return for the areas immediately offshore Texas and Louisiana out to a water depth of 656 feet in the Gulf of Mexico. The study area, encompassing 60,478 mi2, is outlined in figure 1. This study is intended to complement an earlier effort by Drew and others (1982) in which a discovery process model was developed to forecast rates of oil and gas discoveries in terms of barrels of oil equivalent (BOE) for this same area.
Estimated recoverable hydrocarbons contained in oil and gas fields discovered in the Gulf of Mexico prior to 1977 are 9.47 billion barrels of liquids and 94.28 trillion cubic feet of natural gas. In 1978, this area accounted for about 9 percent of U.S. oil production and about 25 percent of U.S. natural gas production. The (discovered) field size distribution in the Gulf of Mexico is somewhat skewed in that the largest fields account for a disproportionately large amount of the hydrocarbons discovered to date. Of the 409 oil and gas fields discovered through 1975, the largest 11 (or 2.7 percent of the total) contain 29.3 percent of the total hydrocarbons, and the largest 69 fields (16.9 percent) contain 68 percent of the hydrocarbons. This skewed field size distribution is present in spite of a relatively large marginal field size due to the substantially higher costs of operating offshore.
When all parts of an area are accessible (both legally and technologically) to explorationists, the principal result of the wide range in field sizes is that the rate of discovery (volume of oil and gas discovered per unit of exploration effort) declines. This occurs because most of the hydrocarbons are in large fields and are associated with large, easily detected structures. These fields tend to be found early in the discovery history of an area. However, at any one time, only part of the Gulf of Mexico was available or of interest to explorationists FUTURE SUPPLY OF OIL AND GAS FROM THE GULF OF MEXICO 32N, 96W
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100 KILOMETERS FIGURE 1. Location of study area in the Gulf of Mexico (L. J. Drew, written commun., 1982). because new technology had to be developed for certain phases of offshore operations and because the State and Federal Governments had only partially leased the area. The graph of the overall discovery rate for the Gulf of Mexico (see fig. 2 ) exhibits some degree of regularity. The irregularities in the Gulf of Mexico discovery rate are probably the result of restricted access that explorationists had to areas of interest and to the substantial increase in natural gas prices in the early 1970's, which made many moderately large natural gas fields profitable to develop.
In modeling the Gulf of Mexico discovery process, Drew and others (1982) divided the area by general geologic trend. The areas, the combined MiocenePliocene and the Pleistocene trends, are presented in figure 3 . More wildcat wells have been drilled in the Miocene-Pliocene trend than in the Pleistocene trend. In table 1, data are presented that show the wildcat wells grouped by trend and by the lease sale date of the tract upon which they were drilled. Drew and others (1982) estimated parameters of a discovery process model by using historical data from the Miocene-Pliocene trend and by using an assumption about the functional form of the underlying field size distribution. Because the Pleistocene trend has only recently been intensively explored (see table 1), Drew and others (1982) used the Miocene-Pliocene trend as an analog for the Pleistocene trend. They adapted the model to discovery data of the Pleistocene trend to forecast rates of discoveries in BOE's.
In the following sections, the engineering-economic model is developed, along with its supporting assumptions. After briefly discussing the discovery process model and its linkage with the economic model, the incremental costs of finding and developing currently undiscovered oil and gas fields in the Gulf of Mexico are estimated. Results of the analysis and their implications are considered in the final section of the study. -1947-53 C"^""" 1954-55 !T-=»« 1956-57 J+ " " " " 1958-59 «^" 1960-61 \ ^ 1962-63 / ff 1964-65 / 9 1 9 6 6 -6 7 i rn > 0  0  0  25  252  0  0  0  0  22  0  0  1  1  22  339  6  14  263  200  126  127  12  60  83  35 9
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ENGINEERING-ECONOMIC MODEL
METHODOLOGY
The engineering-economic model uses predictions of the size and distribution by water depth of oil and gas fields to be discovered, with a specified exploration effort, to estimate the incremental costs of finding and producing currently undiscovered fields. For each size and water depth category, an economic analysis of the representative field is performed, assuming a particular wellhead price and rate of return. In particular, the net after-tax cash flow consists of revenues from the production of oil and gas minus the operating costs, capital costs in the year in which they are incurred, and taxes. When the after-tax net present value of the representative oil (or gas) field is greater than zero, then all the oil (or gas) fields in that particular size class and water depth interval are assumed to be developed. For a specified oil and gas price and rate of return, the calculated reserves of newly discovered (economic) fields are aggregated to estimate potential study area reserves.
The discovery process model developed by Drew and others (1982) for the Gulf of Mexico study areas was used to generate distributions of new discoveries by field size class for successive increments of exploratory wells. For a particular wellhead price of oil and gas, successive increments (of 200 wildcat wells) were assumed to be drilled until the incremental costs (which include drilling, geologic and geophysical data collection, and lease acquisition) of wildcat wells are equal to or greater than the net present value of the developed fields discovered by the associated increment (of 200) wildcat wells. These predictions of recoverable and undiscovered oil and gas are based on the principle that incremental units of exploration, development, and production will not be expended unless the revenue expected to be received will cover the incremental costs, including a specified rate of return on the incremental investment. Figure 4 presents a simplified schematic diagram of the operations of the cost algorithm. Because the predictions made by the discovery process model are only in terms of frequencies for BOE size classes, new discoveries are classified into oil and nonassociated gas fields and also are allocated across different water depth intervals for cost analysis. By using historical data of discoveries since 1969, ratios of the proportion of new fields that were either oil or nonassociated natural gas were calculated and applied to predicting the number of new fields that would be oil fields and (or) nonassociated gas fields. Newly discovered fields within each size class also were allocated by water depth according to the proportion of prospective area overlaid by each water depth interval. Production schedules for oil and nonassociated gas wells were generated with formulations originally developed by the Dallas Field Office of the U.S. Department of Energy (John Wood, written commun., 1979) . By using the production schedule and the associated nominal reserves per well, the number of wells per field were estimated, and a development design (number of wells, platform size, processing equipment size, and development time profile) for each field size class and water depth interval was specified. With the production schedule, the individual well cash flow was computed for a given set of oil and gas prices and costs. Economic well life was terminated after the well cash flow equaled the economic limit rate; that is, the year when operator income was equal to the sum of direct operating expenses and production-related taxes. For each individual well representative of a specific field size class, the net after-tax cash flow stream was computed. The net after-tax cash flow stream is the production revenue minus operating costs, capital costs in the year they are incurred, and taxes. Individual well net after-tax cash flow streams are adjusted and aggregated to be consistent with the field development time profiles that are presented in detail in Appendix A. If the sum of the annual components of the after-tax discounted cash flow stream for the representative oil or gas field (for each size class and water depth interval) is greater than zero, then all the newly discovered fields of that size and water depth category are assumed to be developed and are added to total potential reserves.
This study does not consider the rate of exploratory drilling in the time dimension, and so a full supply analysis, that is, quantity of hydrocarbons produced per unit time, is not performed. Moreover, operators are assumed to drill nonpreferentially for oil or gas fields. Exploration continues until the exploration costs (drilling, geologic and geophysical data collection costs, and lease acquisition costs) of the next 200 wildcat wells exceed the after-tax net present value of the resources found by that increment of wells. Assuming that production continues to the economic limit rate, the last increment of oil or gas produced from a field will be approximately equal to the price. Consequently, for the economic resources discovered by the last (economic) increment of exploratory wells, the sum of finding costs and development and production costs per BOE is equal to the wellhead price. For the economic resources found by the last economic increment of exploration, these two sets of costs are termed the marginal finding costs and marginal development and production costs, respectively. Marginal finding cost is computed by dividing total exploration costs of the last economic wildcat well increment by the corresponding economic resources discovered by these wildcat wells. An estimate of marginal development and production costs per BOE is made by subtracting the marginal finding cost from the wellhead price.
ENGINEERING DATA AND ASSUMPTIONS
FIELD CLASSIFICATION
To design field development configurations and estimate costs, the newly discovered fields were classified as oil or nonassociated natural gas fields. Large offshore fields in the Gulf of Mexico may include hundreds of smaller, technically separate (both horizontally and vertically) reservoirs that contain crude oil, associated gas, or nonassociated gas. Official reserve estimates from the Minerals Management Service (formerly the U.S. Geological Survey's Conservation Division) of past discoveries are classified under the product categories of liquids (crude oil and natural gas liquids) and natural gas; consequently, a field could not be classified on the basis of specific products present or absent. As a result, a somewhat arbitrary basis for classifying fields as predominantly crude oil or predominantly natural gas was used. Crude oil fields were assumed to have a maximum ratio of gas to liquids (on a British thermal unit (Btu) basis) of 4 to 1; otherwise, a field was classified as a nonassociated gas field. Processing equipment designed for nonassociated gas fields permits the processing of sufficient liquids so that the gasliquids ratio can be as low as 4 to 1.
To arrive at appropriate ratios of crude oil fields to nonassociated gas fields by size class, past discoveries were classified according to this criterion. Because of the great disparity in the past between prices for liquids and prices for natural gas, the operators preferentially searched for crude oil and avoided searching for natural gas. It was not until the early 1970's that natural gas prices escalated, although operators probably began anticipating these price increases as early as 1969. The ratio representing the mix between historical oil and gas discoveries, from 1969 to 1977 (smoothed across field size classes), was used to project the mix of future discoveries. The ratio of crude oil to natural gas fields also is assumed independent of water depth. For the intensively explored Miocene-Pliocene trend, 25 percent of the future discoveries in each size class are projected to be crude oil fields according to the definition discussed above. Similarly, for the Pleistocene trend, 36 percent of future discoveries in size classes 7 through 11 and 22 percent of the future discoveries in size classes 12 through 16 are expected to be crude oil fields. The BOE size class ranges are presented in table 2.
Because development costs vary substantially with water depths, future discoveries also should be classified by water depth. Areas bounded by the water depth contours of 60, 240, 393, and 656 feet were measured by planimeter. Estimates of the proportion of area accounted for by the areas within each contour are presented in table 3 (L. J. Drew, written commun., 1981) . The proportion of future discoveries by water depth are assumed to correspond to the proportion of the prospective area within the water depth contours for each of the two trend areas. For purposes of cost estimation, fields that fall in the 0 to 60, 60 to 240, 240 to 393, and 393 to 656 feet intervals are considered to lie at water depths of 40,150, 317, and 525 feet, respectively. 'Farmer and Zaffarano (in press) and John Wood, written commun. (1979) . "Natural gas field reserves and well reserves are for wet gas where 1 bbl of oil =5.27 mcf gas. 3 ). To be consistent with the data upon which the well production schedules used in the cashflow analysis are based, the nominal recovery per field was taken as the midpoint of the field size classes used in Farmer and Zaffarano (in press) , which were at most 10 percent greater than the midpoints of the field intervals shown in the second column of table 2. In the case of oil fields, the midpoint was adjusted to compensate for the expected recovery of associated gas that accounts for 25 to 30 percent of the total hydrocarbons on a Btu basis. The nominal recovery per well for crude oil wells and natural nonassociated gas wells was obtained either from published sources (Farmer and Zaffarano, in press) or by calculating reserves per well by using the well production schedule and a nominal price and operating cost. Reserves per well for each size class are presented in table 2.
Configurations of development wells, production platforms, and processing equipment were devised to estimate investment and operating costs for the representative field. For any particular offshore oil or gas field, many combinations of different platform sizes and processing equipment configurations may be used in actual practice in the Gulf of Mexico. Site characteristics such as slope or sea floor conditions may dictate certain development designs. Alternatively, the operator may stage or time field development to maximize profits according to special economic or regulatory conditions that prevail at the time of discovery. The approach taken in this study in constructing the field development scenarios was to minimize overall development costs subject to the degree of excess capacity (in terms of extra platform slots and processing equipment capacity) that is frequently observed in the Gulf of Mexico. The configurations also were subject to a degree of standardization necessary for handling by a computer-based cost algorithm. Tables Al through A4 in Appendix A present equipment configurations and time profiles of development for each representative field. The field development profiles reflect the assumptions that, for the larger fields (larger than class-13 oil and class-14 gas), approximately 10 percent of the wells in the field are drilled with mobile drilling rigs (prior to the platform implace-ENGINEERING-ECONOMIC MODEL ment) and the remainder of the wells are drilled by using platform drilling rigs. It is also assumed that, for every 100 successful productive wells, 20 dry development wells will be drilled. These implied development well success rates approximate experience for offshore Louisiana for the years 1976 through 1979.
PRODUCTION SCHEDULES OF OIL AND NONASSOCIATED GAS WELLS
Oil and nonassociated gas well production schedules for the Gulf of Mexico were developed by the Dallas Field Office of the U.S. Department of Energy (John Wood, written commun., 1979) . Their basic mathematical description is presented in Appendix B. Production schedules were derived by using data from offshore Louisiana and Texas fields. The schedules are assumed to represent a typical well for an average field within each field size class. The production schedules for the class 11 and larger oil fields indicated that the representative wells will produce at a constant initial production rate for a period and then begin to decline exponentially. Production rates for smaller fields begin their decline immediately. For oil fields, associated gas production was calculated by using estimated ratios of gas to oil for each size field class. These gas-oil ratios are presented in appendix table A8. Figure 5 presents several oil well production profiles.
Nonassociated gas well production schedules also indicate a constant initial production rate for a period followed by a decline in production according to a hyperbolic function. To estimate quantities of natural gas liquids expected to be produced by gas wells, the gas well production schedules were supplemented with information from a geologic resource appraisal of undiscovered prospects in the Gulf of Mexico prepared for the U.S. Department of Energy (Richard Farmer, written commun., 1982) . The estimated natural gas liquid yield for the Miocene-Pliocene trend is 17.52 barrels of liquid per million cubic feet of gas produced, and, for the Pleistocene trend, the yield is 14.74 barrels of liquid per million cubic feet of gas. Figure 6 presents several nonassociated gas production profiles. FIGURE 5. Production curves for oil wells in the Gulf of Mexico (in thousands of barrels per year). Each curve is based on an average well for a representative field in size classes 9,12, and 15 (based on data from John Wood, Dallas Field Office, U.S. Department of Energy, written commun., 1979).
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FIGURK 6. Production curves for nonassociated gas wells in the Gulf of Mexico (in millions of cubic feet of gas per year). Each curve is for representative fields in size classes 9, 12, and 15 (based on data from John Wood, Dallas Field Office, U.S. Department of Energy, written commun., 1979).
ECONOMIC ASSUMPTIONS AND VARIABLES
In the following sections, we discuss cost estimation methodology and economic assumptions. First, the estimation of field investment or development costs are considered according to four components: (1) drilling and well completion costs, (2) platform costs, (3) processing equipment costs, and (4) platform abandonment costs. Then we review the method for estimating operating costs. Following these two sections, the assumptions that pertain to the estimation of the after-tax net present value of each prospect are presented. In the final section, we consider the three components of exploration costs: (1) drilling cost, (2) geologic and geophysical data collection, and (3) lease acquisition cost.
FIELD DEVELOPMENT COSTS
Field development or investment costs include the costs of drilling and equipping production wells, including dry holes, the costs of production platforms, the cost of oil and gas processing equipment, and platform abandonment costs. Product transportation costs are not considered in this study. In the cash flow calculations for the representative well, all development costs were ultimately put on a per-production-well basis.
The cost of drilling and equipping development wells depends on water depth and the type of drilling rig used. Because of this and also because of the rather substantial volatility of the market for drilling services in the Gulf of Mexico in recent years, historical data such as the Joint Association Survey drilling costs were not extrapolated to estimate current costs. Instead, a predictive model was developed to estimate drilling costs by using drilling rig day rates, costs of items charged on a daily basis, and the cost of items that are independent of time and water depth.
All wells were assumed to be drilled to a depth of 11,500 feet. Overall costs were estimated from industrysupplied data and known market day rates for various drilling rig sizes. Development well drilling time was assumed to be 30 days, and wildcat wells required 40 days drilling time. Well completion time was an additional 15 days. This assumption was made for both platform and jack-up or semisubmersible drilling rigs. Mobile drilling rigs were assumed to be used exclusively for development drilling for oil and gas fields smaller than size class 10. For larger fields (class-13 oil and class-14 gas), platform drilling rigs were assumed to be used for drilling and completing 90 percent of the development wells. For platforms of 24 slots or larger, two platform drilling rigs were assumed to be operat-ing. A detailed accounting of the fixed and time-sensitive costs is provided in Appendix A.
Platform costs were estimated by using data from vendors. A multiple regression equation was estimated with available data and later used to estimate costs for platform configurations where data were not available. Because available data indicated a discontinuity in the cost trend as a function of water depth at about 300 feet water depth, two separate regressions were fitted. One regression applies to water depths to 300 feet, and the other to 300 feet and deeper. The two estimated equations are:
(1) for water depths of less than 300 feet:
Cs=2 where Cs is the cost (in thousands of dollars), WD is water depth (in feet), and SLT is the number of slots in each platform. Table 4 presents a sample of the cost estimates for various platform sizes and water depths. Processing equipment costs were estimated from prices supplied by vendors for the standard oil and gas processing equipment packages widely used in the Gulf of Mexico. Table 5 presents the oil and gas equipment capacities and costs used in this study. No attempt was made to estimate costs for nonstandard processing equipment capacities because, in practice, an operator would buy an overdesigned standard capacity equipment package rather than designing and special ordering a one-of-a-kind processing equipment configuration. The rated-liquids capacity for crude and natural gas assumes an equal amount of water is processed. In particular, a 1,500-barrel-per-day crude oil facility can actually process 3,000 barrels of liquids per day. It is not uncommon to process 1 barrel of water for each barrel of crude oil. However, for nonassociated gas fields, a common ratio of water to natural gas liquids is 1 barrel of water to 10 barrels of natural gas liquids. Consequently, the actual liquid-product-processing capacities of the equipment packages shown in table 5 for natural gas fields are substantially understated.
Little or no publicly available data exists on the costs of platform abandonment. Abandonment procedures require that operators cut the platform below the sea floor and mud line and remove it from the tract. The platform then may be salvaged for the steel or be refurbished and moved to another site. Abandonment costs were estimated to be half the original platform installation costs. Although abandonment costs are not incurred until the platform wells are abandoned, the 'Petroleum liquids capacity excludes water; water is assumed to be in a one-to-one ratio to petroleum liquids so that actual liquid processing capacity (including water) is double the petroleum liquids capacity. decision to shut down production was assumed to be made without considering the abandonment costs. Consequently, the present worth of the amount (assuming a 15-percent discount factor) of abandonment costs (that would be incurred after shut down) is added to the initial capital costs of the platform and thereby included in the overall field development costs.
PRODUCTION COSTS AND PRODUCTION RELATED TAXES
Operating costs were computed per production platform using a cost function developed by the U.S. Department of Energy (Farmer and Zaffarano, in press ). Operating costs for crude oil and nonassociated gas production wells and platforms of a similar size and water depth were estimated to be the same (see Farmer and Zaffarano, in press , 1982) . Estimates of lease acquisition costs were computed by multiplying the nominal field reserve by an assumed per BOE in situ value. The assumed in situ values were adjusted for water depth to compensate for extra risks and costs of operating in the deep areas. The adjustment scheme is discussed in the presentation of specific results pertaining to alternate assumed lease acquisition costs (see p. 00). The computation of depletable cost per unit output is the sum of expenditures on lease acquisition and geologic and geophysical data collection divided by the initial estimated reserves (or proportion of working interest in reserves). For both cost depletion and unit-of-production depreciation, calculated reserves for each well or field were determined by assuming that production stops when the economic limit rate is reached. The economic limit rate is the production rate at which operating costs plus production-related taxes equal operators revenues. 9. We assumed that 70 percent of the drilling costs of successful wells along with costs of all dry wells were expensed and that all well completion costs, platform costs, and processing equipment costs were capitalized.
EXPLORATION COSTS
1. All wildcat wells are drilled to a target depth of 11,500 feet. 2. Expenditures for geologic and geophysical data collection are set at $732,000 per wildcat well. 3. Explorationists were assumed to search nonpreferentially for either oil or gas. 4. Newly drilled wildcat wells are allocated according to water depths in the same proportion as the percent of total prospective area in each water depth interval. 5. Exploration costs associated with each increment of wildcat wells also include expenditures associated with lease acquisition. Total lease acquisition costs were estimated by multiplying the quantity of economic resources discovered with each wildcat well increment by an assumed in situ value of the resource. In this scheme, the in situ values are adjusted for cost differences and risks of operating at various water depths.
INDUSTRY BEHAVIOR AND MARKET CONDITIONS
Several assumptions associated with industry behavior are reiterated here. First, it is assumed that field development design, along with development timing, are independent of current prices or operator price expectations. In practice, field design and development staging are influenced by operators' cash flow needs and expectations about oil and gas prices. The result is a slight increase in actual development costs. It is also implicitly assumed that there will be sufficient excess capacity in the contract drilling industry and among equipment and platform suppliers to accommodate without substantial delays any change in industry activity.
This analysis assumes that lease selection practices will not be a constraint to explorationists. Further, it is also assumed that development of oil and gas resources in the Gulf of Mexico will not affect the price of oil or natural gas. Whereas this assumption is probably true for crude oil, it may not be realistic for natural gas, because in 1978 the Gulf accounted for 25 percent of U.S. natural gas production.
Lease acquisition costs were determined outside the model. Theoretically, the payments the petroleum industry makes to acquire prospective undeveloped oil and gas acreage is related to the in situ value of the resource. Uncertainty about the quantities of hydrocarbons accounts for the deviation of expected discovery costs (or resource replacement) from the in situ value of identified resources. Operators are risk averse, and the penalties associated with overestimating undiscovered resources are much greater than for underestimating the resources. As a result, lease bids should understate the in situ value of the resources. Individual tracts also have qualities that influence the price that operators are willing to pay. For example, for offshore tracts, water depth significantly influences costs of development and therefore will affect the price that operators are willing to pay for the tract. Moreover, at any specific time, the willingness of the petroleum industry to acquire and explore in any given basin or area depends on the quality of exploration opportunities and discovery costs for other areas.
Because of these complicating factors, it was not surprising that an analysis of long-term trends in bids for Federal offshore areas failed to yield a workable model that could be applied in this study to predict lease acquisition costs. In view of this, lease costs are assumed and set on the basis of per unit of oil and gas reserves that were discovered. Computations of the future costs of finding and developing oil and gas in the Gulf of Mexico were made assuming a suite of values for lease acquisition costs. Lease acquisition costs do not influence the decision as to whether to develop a particular identified field. For an increment of 200 wildcat wells, however, all lease costs must be recovered through the industry's activities. Consequently, the lease costs are added to exploration costs and will determine, in part, when total exploration costs will exceed the returns from fields discovered by an increment of exploratory wells.
FORECASTING FUTURE DISCOVERIES DISCOVERY PROCESS MODEL
The discovery process model applied here was developed by Drew and others (1982) . They used the analytical structure devised by Arps and Roberts (1958) who assumed that, for any size class field, the probability of discovery is directly proportional to the number of undiscovered fields and the ratio of their average areas to the effective basin area. A consequence of this assumption is that the largest fields in the basin tend to be found and developed early in the area's exploration history.
The analytical form of the Arps-Roberts model suggests that the proportion of undiscovered fields in a given size class declines exponentially as drilling continues. The cumulative number of discoveries expected to be made of fields for a given size class after drilling w cumulative wildcat wells is predicted with the equation:
where Ft(w) is the cumulative number of fields expected to be discovered in size class i by drilling w wildcat wells, Fj(oo) is the ultimate number of fields in size class i, B is the basin area, A; is the (average) area of fields in size class i, and Ct is the efficiency of discovery of fields in size class i. For random drilling, C;=l; if drilling is twice as efficient as random drilling, Ct =2. Arps and Roberts, in their initial application of the model, assumed a constant exploration efficiency across size classes.
In the application of the model to the Gulf of Mexico, Drew and others (1982) estimated the efficiency separately for each size class. For most classes in the Miocene-Pliocene trend, the number of discoveries for equal increments of exploratory effort by size class had declined by January 1977. However, for the classes smaller than class 12, discovery rates had remained relatively constant through 1976. Substantial increases in new oil and natural gas prices that occurred in the early 1970's resulted in many more reported discoveries of fields that were formerly reported as only shows of hydrocarbons because they had not been commercial. For size classes where the discovery data were thought to be influenced by economic truncation, C, and Fj(oo) were estimated by another method. Drew and others (1982) assumed that the ultimate underlying field size distribution is approximately log geometric in form. For example, for size class 12, the ultimate number of fields was estimated by multiplying the estimated ultimate number for class 13 by 1.65; that is, /J_2=1.65 -ft where fi is the ultimate number of fields in 12 FUTURE SUPPLY OF OIL AND GAS FROM THE GULF OF MEXICO size class i. This scheme was applied to size classes 9 through 12 for the Miocene-Pliocene trend.
For the sparsely explored Pleistocene trend, Drew and others (1982) used the Miocene-Pliocene trend as an analog. In particular, they assumed that the exploration efficiencies estimated for the Miocene-Pliocene trend by size classes would prevail in the Pleistocene trend. These assumed class efficiencies, together with the number of discoveries for each size class, permitted the estimation of the ultimate number of fields by size class. For field size classes less than class 13 that appear to be affected by economic truncation, the same procedure used in the Miocene-Pliocene trend was applied to the estimation of the ultimate number of fields by size class. In particular, for fields in size class 12 or smaller, the ultimate number of fields was estimated by using the relation /|_; = 1.65 /-.
In table 6 , parameters of the model used for estimating the rate of future discoveries are presented. The values for FX°°) are obtained by adding the number of fields discovered to the number remaining to be found. Forecasts of future discoveries were made for 60 increments of 200 wildcat wells. Of course, for any given price and discount rate, not all of these 60 increments of 200 wells were economical. The discovery process model predictions are aggregated into 3 groups of 20 successive increments of 200 wildcat wells for each trend and presented in table 7. Table 8 presents estimates of marginal finding and production costs exclusive of the cost of lease acquisition. Because no lease acquisition costs are included, the costs underestimate the actual costs that firms will incur or, alternatively, the estimates of potential recoverable reserves are optimistic. However, these estimates indicate that even at $50 per BOE and a 5-percent after-tax rate of return, economic undiscovered hydrocarbons in the Gulf of Mexico are about 33 percent of total discoveries to January 1977 (of 25.19 billion BOE). Furthermore, 13,600 wildcat wells (or well over 3 times the wildcat wells drilled through 1977) are needed to identify these resources.
ESTIMATED MARGINAL COST FUNCTIONS FOR UNDISCOVERED RECOVERABLE OIL AND GAS IN THE GULF OF MEXICO
The results presented in table 8 provide information to answer two questions: What price and rate of return are required to stimulate a certain level of exploration to find a given amount of oil and gas? What amount of oil and gas can be anticipated from the Gulf of Mexico at present or some future price and rate of return? According to table 8, at a 15-percent required rate of return, raising the wellhead price from $35 per BOE to $50 per BOE increases the number of economic wildcat wells from 5,600 to 9,600, or 71 percent. As a result, the total potential recoverable oil and gas resources increase from 4.80 billion BOE to 6.78 billion BOE, or 41 percent. Thus, in this example, by raising the price 43 percent, from $35 to $50, an additional 70 percent more wildcat wells were economic and could be drilled, resulting in a 41-percent increase in hydrocarbon discoveries. However, this additional quantity of hydrocarbons amounts to only 8 percent of the amount of oil and gas discovered to January 1977.
The Miocene-Pliocene trend currently has about three times as many wildcat wells drilled in it as the Pleistocene trend. The analysis suggests that explorationists should optimally continue to drill the Miocene- Drew and others, 1982, and J. H. Schuenemeyer, written commun., 1981) Miocene-Pliocene trend1 Pliocene trend at about that same ratio. This result, which is somewhat unexpected, probably occurs for two reasons. First, according to table 2, none of the prospective target areas for the Pleistocene trend are in the shallowest water depth interval. Almost half (46 percent) of the prospective area associated with the Pleistocene trend is located in water depths of greater than 240 feet, whereas 92 percent of the prospective area in the Miocene-Pliocene trend is located in water depths shallower than 240 feet. On the average, then, finding and development costs for Miocene-Pliocene trend areas will be much less than for comparably sized fields in the Pleistocene trend. Another reason for the larger number of wells in the Miocene-Pliocene trend is that it includes about 3.7 times the area of the Pleistocene trend. This result is also independent of the lease costs when they are introduced. Figure 7 indicates the hydrocarbon mix associated with the results presented in table 7. Most of the future hydrocarbons from the Gulf of Mexico will come predominately from what we have defined as nonassociated natural gas fields. At a price of $35 per BOE (assuming a 15-percent rate of return), all liquids account for about 24 percent of the hydrocarbons on a BTu basis, whereas crude accounts for about 72 percent of liquids or about 17 percent of all hydrocarbons discovered. Associated gas accounts for about 5 percent of the total hydrocarbons, and nonassociated gas accounts for the remaining 71 percent of hydrocarbons. This mix of hydrocarbons holds for a wide range of prices and costs.
We might also compare the amount of resources discovered with the ultimate amount of resources remaining to be discovered. In this report, we have assumed an estimate of the nominal ultimate recovery for each field size class that is different from the historical average size of fields found in each size class. If the assumptions used here were applied to the frequencies of remaining deposits (see table 6, size classes 8 to 16) that were estimated by Drew and others (1982) , there would be 12.72 billion BOE of hydrocarbon resources remaining. Consequently, even at $50 per BOE (at a 5-percent required return), only 63 percent of the total resources would be found and developed. The remaining resources beyond that amount would be very costly to find and develop without a significant technological breakthrough. Using the historical average for class size instead of the nominal recoveries used here, Drew and others (1982) estimated total remaining hydrocarbons to be 10.65 billion BOE or about 93 percent of the amount (11.48 billion BOE) that would have been obtained using our nominal field sizes for classes 9 through 16. Because the data used for estimating the historical field size classes are based on proved reserves, the averages might be expected to increase as infield drilling results in larger estimates of reserves of the fields used in estimating the discovery process model. However, if the ultimate recovery of future discoveries only matches the proved reserves of past discoveries, then the overall results presented in table 8 should be reduced accordingly, to perhaps 93 percent of the values presented.
The results presented in table 8 are compared in figures 8 and 9 to cases where various lease acquisition costs were assumed. Introduction of positive lease costs in this analysis will not affect the decision to develop an already identified field. However, lease costs are added to exploration costs and therefore influence the number of wildcat wells that are determined to be economic. Lease acquisition costs were introduced by assuming an in situ value per BOE adjusted for water depth for the resource. The amount of the required adjustment was estimated by running the economic model where lease costs were excluded and determining cost differences (reductions in after-tax present values) due to water depth costs. Analysis of the differences in the after-tax present values of marginal fields across the four water depth intervals used in this study indicate that, on the average (for a variety of prices and discount rates), the after-tax net present values of marginal fields at depth intervals of 60 to 240 feet, 240 to 393 feet, and 393 to 656 feet were 90 percent, 70 percent, and 35 percent, respectively, of the values for the shallowest interval (0 to 60 feet) of water depth. These factors were used to scale the assumed in situ values of the resource. Gruy and others (1982) recently reviewed prices paid for oil and gas reserves in merger and reserve acquisition transactions from 1979 to 1981. The prices ranged from $3.44 to $12.65 per BOE, with the most recent (February 1981) at $8.63. However, reserve estimates used in their study corresponded to currently recover- able reserves with production facilities already in place. Consequently, we performed the economic analysis using $1.50 and $3.00 per BOE as in situ values of the resource.
In figure 8 , the number of economic wildcat wells is shown as a function of marginal finding and production costs for cases where assumed in situ resource values were zero, $1.50 per BOE, and $3.00 per BOE. Figure 9 shows the relation between potential recover- 
in situ costs at about 68 percent of the zero lease cost estimate, and for $1.50 per BOE recoverable resources are about 85 percent of the zero lease cost estimate. At $50 per BOE, the estimate at $3.00 per BOE in situ costs is almost 90 percent of the zero lease cost estimate, whereas the estimate assuming $1.50 per BOE in situ value was 91 percent of the zero lease cost estimate. As price and prevailing marginal costs are permitted to increase, relative differences in these potential discoveries diminish because the discovery rates are continually declining. In particular, although the higher prices (and lower in situ values) permit more wildcat wells to be drilled, the economic resources per wildcat well increment diminishes with the cumulative number of wildcat wells.
CONCLUSIONS AND IMPLICATIONS
The analysis shows that, at $35 per BOE and at a 15-percent rate of return (without lease acquisition costs), the potential recoverable oil and gas discovered after January 1, 1977, is estimated to be 4.80 billion BOE. This amount is less than 19 percent of the estimated combined oil and gas discovered through 1976. Even at $50 per barrel (and a 15-percent return), the expected discoveries yield only 6.78 billion BOE from new fields, which is still only 27 percent of past discoveries. Without technological breakthroughs, additional oil and gas beyond this amount is likely to be very costly to find and develop.
The economic analysis indicates that, for every wildcat well drilled in the Pleistocene trend, there probably will be two or three wildcat wells drilled in the Miocene-Pliocene trend. Higher costs due to greater water depths for fields in the Pleistocene trend and the larger prospective area in the Miocene-Pliocene trend contribute to this result.
In all cases studied, if trends of the past 10 to 12 years continue, over 71 percent of resources in future discoveries will be in the form of nonassociated gas, and less than 17 percent of these resources will be in the form of crude oil.
Future oil and gas exploration in the Gulf of Mexico can still be profitable. At a 15-percent return and $35 per BOE with lease costs corresponding to $3.00 per BOE for the in situ resources, an additional 3,000 wildcat wells (after January 1, 1977) can be commercially drilled. However, these wells are expected to yield only 3.26 billion BOE of new reserves, which is less than 3 years of production at the 1977 level of 1.1 billion BOE per year. Moreover, because these fields will generally be smaller and in deeper water depths, the oil and gas from the new discoveries will be more difficult and costly to produce.
APPENDIX A. FIELD EQUIPMENT CONFIGURATION, COSTS, AND DEVELOPMENT PROFILES
This section presents assumptions and data relating to offshore field development equipment configurations and practices. Although one might find various operators using many different configurations to develop fields of similar sizes and at similar water depths, we felt that the particular configurations used in this study are representative of current practices in the Gulf of Mexico.
Development well, platform, and processing equipment configurations for newly discovered oil fields and for newly discovered nonassociated gas fields are presented in tables Al and A2, respectively. The configurations were designed to allow for a degree of expected excess capacity (in terms of platform slots and processing equipment capacity) that generally prevails in Gulf of Mexico production practices. As indicated by these tables, in cases where water depths were greater than 300 feet, the minimum platform costs were the same as costs associated with a 12-slot platform at that particular water depth, even though a platform of less than 12 slots would actually be constructed. The minimum amount of steel and the number of pilings required for operation of the smaller platforms at these water depths would be approximately equal to the amounts used in fabrication of a 12-slot platform. Field development time profiles are described in table A7. While these scenarios may not be followed by all operators, they were considered reasonable in light of industry and market conditions in 1981. It was assumed that approximately 90 percent of the development wells for fields larger than class-13 oil and class-14 gas would be drilled by using platform drilling rigs and that the rest of the development wells would >NA = not applicable.
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be drilled by mobil rigs. 'At 317 feet of water depth, 40 percent of wells were assumed to be drilled by jack-up rigs, and 60 percent of wells were drilled by Semisubmersible rigs.
'Set-up costs included 7 days of barge time at $455,000 and 14 days of rig time at $224,000. 3Set-up costs include 24 days of rig time at $210,000. 'Exploratory wells assumed to be drilled since December 31,1976. The stopping rule for exploratory wells does not take into account the tax benefit of charging the cost of exploratory wells against current income. Therefore, these figures overestimate the effective cost of exploratory drilling.
'At the margin, the sum of the marginal finding cost and the marginal production cost is equal to the output price (column 1).
APPENDIX B. OIL AND NONASSOCIATED GAS WELL PRODUCTION SCHEDULES
Oil and nonassociated gas well production schedules were developed by the Dallas Field Office of the U.S. Department of Energy for another study. The following is a description of the equations used in the generation of the production schedules (John Wood, U.S. Department of Energy, written commun., 1979) .
Oil well schedules. Wells that represent field size classes of larger than 10 are assumed to produce at a constant rate for a period of time. Wells representing size classes of fields smaller than class 11 are assumed to decline immediately according to a hyperbolic function. The following variables are defined: t = current time period, q0 = initial well production rate, Np(t) = cumulative oil production to time t in barrels, Gp(t) = cumulative associated gas production in thousands of cubic feet, Nu = expected ultimate per well oil recovery in barrels, D = exponential decline rate, td = deliverability life in years, qa = nominal 1978 offshore abandonment rate of 9,125 barrels per year or 25 barrels per day, g = gas-to-oil ratio in thousands of cubic feet per barrel, ap(t) = annual oil production, ag(f) = annual associated gas production.
For fields in size classes 7 through 20:
Ift<td, then Np(f)=t(q0l Otherwise
D
Annual oil production is ap(t)=Np(t)-Np(t-l), and annual gas production is ag(t)=g ap(t).
Values of parameters associated with each size class field are presented in Table Bl .
Nonassociated gas production schedules. Gas deliverability was computed on a well basis by number of wells per field using the computer program developed by J. N. Hicks (Dallas Field Office, Department of Energy, 1976). Initial gas rates were based on 25 percent of initial open flow production, except in class 20 where 24 percent was used. The predictive equation for generating future nonassociated gas production prior to the production decline is Gp(t)=tdqg. With the onset of decline, the predictive equation is where Gp(f) is cumulative gas production to time t in million cubic feet, td is the period of constant production, qc is the initial constant gas production rate in millions of cubic feet per year, qg is the initial gas production rate in millions of cubic feet per year for the decline curve, a is the initial loss ratio, and b is the first derivative (with respect to time) of the loss ratio (b is dimensionless). Values for the parameters associated with each size class field are presented in Table B2 . [trf is the period of constant production, in years; qc is the initial constant gas production rate, in millions of cubic feet per year; <?~ is the initial gas production rate, in millions of cubic feet per year, for the decline curve; a is the initial loss ratio; 6 is the first derivative of the loss ratio] 
